


Aim

Provide a cost benefit analysis of the options: Original Proposal/WACM2 and WACM1 plus the
status quo (i.e., no change in definitions). The status quo will be used as a baseline with any
changes in cost presented relative to this level.

How?

We have identified three main workstreams each of which considers costs incurred by NGESO to
balance the system which could be affected by the outcome of GC0117. These costs are collected
by NGESO from the industry participants by the Balancing Services Use of System (BSUoS)
charges.

« WP1 Balancing Mechanism price stack
« WP2 Constraint analysis

« WP3 Demand forecast errors



Key Assumptions
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Implementation Year Assumptions

e The analysis a relies on historic data and relationships around the costs of managing the power
system, and so 2022 was used as a benchmark year throughout most of the analysis.

e Due to these data limitations, the impacts are calculated on the basis of this modification being
implemented in 2022, even though the earliest implementation year is 2027.

e In each work package we have kept everything the same for future years but allowed generator
installation capacities to increase in-line with FES (except for constraint costs in WP2 where a
projection is used from NOA?7).

e The results for the future years therefore provide a best view of the potential impact, but we

acknowledge other factors may also change.


alan.creighton
Comment on Text
Is it reasonable to base the analysis on just one year?  If the analysis can only use data from year there should  be a series of sensitivities each using different base years.

alan.creighton
Comment on Text
Similarly if the analysis can only refer to one implementation year, there should be sensitivities for different years of implementation.

alan.creighton
Comment on Text
Generation capacities should increase in line with the current estimates.  Sensitivities required for different penetration roll out scenarios.

alan.creighton
Comment on Text
NESO to set out these other factors that might change so that sensitivities can be carried out around most potentially material 'other factors'.


Capacity Assumptions

Embedded Small & Medium

* Must have an agreement with the relevant DNO
* Must adhere to DCUSA & Distribution Code
= Option to join the BM

A

f \
oMW 10MW 30MW S0MW 100MW+

-
Power Station » Must be in the BM

* Must have a connection

* Must adhere to CUSC, Grid

J Distribution Code

Original Proposal (OP):

e England & Wales (NGET) — embedded generators between 10-100MW become BMUs
e South Scotland (SP) — embedded generators between 10-30MW become BMUs
e North Scotland (SHE) — N/A as no change

WACMT1:

e England & Wales (NGET) — N/A as no change
e South Scotland (SP) — BMU generators between 30-100MW become embedded
e North Scotland (SHE) — BMU generators between 10-100MW become embedded



Capacity Assumptions

The basis for our projected capacity estimates were the forecasts published as part of the 2022 Future
Energy Scenarios (FES), which covers four scenarios.

For the Original Proposal, to estimate the proportion of the distributed FES capacities that might be
affected, we use the embedded capacity register (published by DNOs). For WACM1, to estimate the
proportion of the transmission FES capacities that might be affected, we use the capacities of currently

live BMUS.

Proportion of new

Proportion of new

Generation Capacity affected Generation Capacity affected by
Category by GC0117 OP Category GC0117 WACM1
Battery 85% Battery 0%
Biomass 84% Biomass 0%
Fossil_Gas 74% Fossil_Gas 0%

Non-Pump Hydro

53%

Non-Pump Hydro

78%

Other

70%

Other

13%

Solar

42%

Solar

0%

Wind

65%

Wind

20%



alan.creighton
Comment on Text
Capacity assumptions should be based on current projections with sensitivities around the different scenarios.


Work Package 1: BM
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Work Package 1: Overview

BM Pricing:
+ To estimate the impact on the marginal BM price from new capacity entering the BM of a smaller
size than today’s arrangements.

- Estimate the impact on balancing costs



Price £/MWh

Price Stack Creation
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Impact on price

Summer BM Price Evolution Winter BM Price Evolution
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Impact on Price

BM Price Stack
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Impact on BM costs

Impact per Year £m

2023 2024 2025 2026 2027 2028 2029 2030
Consumer Transformation £0 £0 £f0 £0 £0 £0 £0 £0
Falling Short £0 £0 £0 £0 £0 £0 £0 £0
Leading The Way £0 £0 £0 £0 £0 £0 £71 £71
System Transformation £0 £0 £0 £0 £0 £f0 £0 £0




Work Package 2: Constraints
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Work Package 2: Overview

To inform the decision-making regarding flows across constraint boundaries an understanding of the
generation and demand behind the constraint is required. Each option (OP and WACM™1) will result in
a different level of visibility for NGESO.

Improved visibility of metering should enable better forecasting, which is estimated as part of the
‘Demand Forecast Errors’ workstream of this cost benefit analysis. This work package is focussed on

translating a forecasting performance change into a constraint cost impact.


alan.creighton
Comment on Text
Is there any reinforcement work being implemented / planned to address constraint boundaries?  If so how will this be factored in to the analysis.  Are sensitivities required for different reinforcement scenarios?

alan.creighton
Comment on Text
Any NETS reinforcement work being implemented / planned to address constraint boundaries should be incorporated in the benefits anaysis to avoid double counting.  Are sensitivities required for different NETS reinforcement scenarios / timescales?.

alan.creighton
Comment on Text
What assumptions have been made about new demand particularly the distribution of new demand across GB - e.g. each side of relevant boundaries.  (Are these in the tRESP?).  The distribution of new demand will affect the boundary flows.  Is there a need for sensitivity analysis around the distribution of new demand?


Relationship between Wind Forecast Error and Constraint Costs

e To calculate the constraint cost impact, the first step is to find the relationship between wind generation
forecast errors (in terms of proportion of load factor) and constraint costs.

e For the OP, we use the relationship at the GB level, while for WACM?1 just the Scottish data is used.

GB forecast errors against constraint costs Scottish forecast errors against Scotex constraint costs
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alan.creighton
Comment on Text
Rather than just using Scottish data' given the  different L/M/S thresholds in the SHETL and SPT areas is there a sensitivity based on using SPT data and SHETL data?

Its interesting that the Load Factor Errors in the Scottish area seem to be higher than those in E&W despite having access to more granular data in Scotland.

alan.creighton
Comment on Text
Do these forecast errors relate to errors in one particular period of time?  If so, is there a need for sensitivity assessments in different periods of time / seasons / years?


Relationship between Wind Forecast Error and Constraint Costs

e To make the underlying relationship clearer, the next step in the analysis is to split the errors into 20
groupings and calculate the mean constraint costs for each group.

e To calculate the final relationship linear regression is applied

Banded GB forecast errors against mean constraint costs Banded Scottish forecast errors against mean Scotex constraint costs
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alan.creighton
Comment on Text
Clarify how the points in the graph relates to the '20 groupings'


Other elements of the calculation for the impact on constraint costs

There are then a few extra processing steps to get to an annual figure relating to the impact of

this modification:

e The performance difference is assumed to be 4% (based on analysis in the next section)

e NOAY estimates are used to scale up the expected constraint costs for future years.

e The proportion of total BMU capacity that would be affected by GC0117 in each year is
calculated, as described in the Capacity Assumptions section.

e For the original proposal we assume that there would be constraint costs incurred every hour
(especially likely when renewable capacity increases). For the alternate proposal, the number
of hours per year with constraint costs is based on the number of hours in 2022, scaled up

using the NOAY projections of costs.


alan.creighton
Comment on Text
Clarify what the the performance difference is between - is it the forecast error in E&W compared to Scotland?  How was 4% derived?  Is this a reasonable assumption?  Is there a need for sensitivity analysis around this assumption?

alan.creighton
Comment on Text
What are the updated estimates?  Is there just a single estimate or a range of estimate?  Is there a need for sensitivities around these NOA7 / current estimates?

alan.creighton
Comment on Text
Clarify what this assumption means - does it mean each of the 8760 hours per year?  Is this a reasonable assumption.  Are there sensitivities around the assumption?

alan.creighton
Comment on Text
Does this mean the number of hours that were constrained in 2022?  Is there a need for consideration of more than just one year eg a sensitivity for different years.  Should the scaling be in accordance with current cost projections (or a range of projections) rather than those based on NOA7?

alan.creighton
Comment on Text
Update with new projections.  Are there sensitivities for different future projection scenarios

alan.creighton
Comment on Text
Its not clear how the proportions of the projects that might be affected by GC0117 have been calculated.  There is a need to consider carefully the proposed definition of L/M/S under GC0117 (given that that the Ofgem send-back doesn't permit the legal text to be changed) and form a view of how many of the future projects would be caught by the 'new' rules, given the current connection queue management process / requirements / rules.  We do need to be clear about how many projects would progress under the existing definitions of L/M/S and the how many would progress under the proposed definitions of L/M/S.  DNOs view is that the majority of the generators required for CP2030 are already known, have applied for a connection and hence would not be caught by the proposed GC0117 rules and hence the benefits envisaged in the NESO 2023 assessment are unlikely to be delivered.  If there is any differences of interpretation of the application of the new definitions and hence which projects will be affected / which won't be affected, then sensitivity analysis should be carried out.  At the extremes, sensitivities should include i) all known projects are not caught by the new rules, with only not-known projects being caught by the new rules.  ii) all known projects caught by the new rules.

There is also a need to understand the extent to which projects caught by the new rules are considered to be BM units that are proactive managed by NESO in the BM (and which will not be protractive managed by NESO in the BM), and the implications where the generator is connected via DNO ANM / DTL management scheme, and the expectations associated with any future primacy rules.  If there is any uncertainty, then sensitivity analysis would be appropriate.  At the extremes, sensitivities should include i) all 'new' BM units are in an ANM scheme and proactively managed by NESO, and ii) all 'new' BM units are in an ANM scheme and the primacy rules are such that generators can disregard NESO instructions. It could be that further sensitivities are required as further understanding / assumptions emerge.

There is an assumption that generators with ANM connections are allowed in the BM in the first place; if they are not, either ANM solutions will no longer be available and connections costs (which would need to be captured in the assessment) as all embedded large generators would need to have unconstrained connections, or many generators will not be able to be in the BM and then they will continue to be ‘large’ without the benefits to the system of being ‘large’. 

There is also a need to understand whether the affected generators will be connected to a DNO's/IDNO's network which is directly connected to the Transmission  System or connected to an IDNO's network connected to a DNO's network.  This is important because even if there were agreed codified rules relating to ANM/DTL/primacy at the NESO:DNO interface, there would still be uncertainty about the ANM/DTL/primacy arrangements at the DNO:IDNO interface, as the IDNO (unlike the DNO or large embedded power station) would not be bound by the CUSC or GCode. DCode and/or DCUSA changes may be required. Sensitivities on the proportion of affected generators connected to a DNO and an IDNO network would help to materiality of such issues.


Original Proposal Results

e If this modification were implemented Constraint Cost Savings Per Year
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alan.creighton
Comment on Text
Might it be possible to set these potential benefits in context by providing an indication of typical annual / forecast constraint costs?

alan.creighton
Comment on Text
More importantly its more distributed capacity which is caught by the proposed new L/M/S definitions

alan.creighton
Comment on Text
This is why its important to understand how many of the projects in the current known pipeline would be caught by the new L/M/S definitions - if few would, then the potential benefit is 'very small'.


WACM1 Results

e If this option were implemented in
2022, the cost increases are estimated
to range between £33m and £80m in
2030.

e This only covers the SCOTEX
constraint. Others would likely also be
impacted (e.g. SSE-SP2 and
SSHARNS3), so these estimates should
be treated as a non-exhaustive low

impact case.
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alan.creighton
Comment on Text
It would be good to provide further clarity on which boundaries are included as SCOTEX boundary constraints. Does the assessment include all the SCOTEX boundary constraints, or are there sensitivities with different distributions of demand and generation each side of the various boundaries?

Again, understanding which of the known projects would be caught by the new L/M/S definitions is important - if few are impacted the potential cost increase will be less.  As described earlier, there may be sensitivities around the proportion of BMU capacity affected and whether they are in a DNO ANM area.

alan.creighton
Comment on Text
Are these not SCOTEX boundaries?

alan.creighton
Comment on Text
How much further analysis would be required to develop a more informed view?


Work Package 3: Forecasting Errors
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Work Package 3 Demand forecast errors

National Demand (ND)

The amount of generation supplied by the Transmission Network to help meet the total GB Electricity Demand
Sum of BM generation (including Interconnector import). Based on National Grid operational metering

Embedded generators

Non-BMU generators connected to the Distribution Network act to suppress the National Demand

Demand on 14-Apr-2019
NGESO account for wind and solar PV explicitly in modelling: o
34000 -
Embedded wind ~ 6.5 GW
Embedded solar PV ~ 14.0 GW
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Wind power forecast

AIM
1. The difference in forecast accuracy for wind units which are registered as BMUs compared to
those which are non-BMUs.

2. What is the financial cost of the errors and how do these change as a result of the code
modification?



Wind power forecast

e Forecast metered & unmetered wind

e Metered wind:

e Wind speed forecast at specific site of wind farm

Load Factor

e Produce power curve with historic measured wind

speeds and metered power output
e Apply power curve to forecast wind speeds

e Adjust farm capacity based on outage information

e Unmetered wind:

e Capacity & location found from public databases.

e Apply generic power conversion curve to wind speed forecast

e Assume full capacity all the time
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T T
20 30
Forecast Wind Speed / mph

T
40

T
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alan.creighton
Comment on Text
Are there sensitivities around the use of different power conversion curves or perhaps uses  more regional generic power conversion curves.

alan.creighton
Comment on Text
The Embedded Capacity Register / Week 24 submission would be a good source of data.

alan.creighton
Comment on Text
Does this mean that all the wind schemes are 100% available.  Are there sensitivities around this assumption?


Embedded wind forecast error

e Do not have metering therefore embedded wind forecast error is unknown.

e To quantify the embedded wind forecast error, we have applied our embedded forecasting approach to the BMU wind units.
1. Collect 1 year of forecast wind speed data for each BMU wind site (selected latest forecast)
2. Apply generic power curve to estimate power output
3. Aggregate forecast power across all wind farms

4.  Compare forecast load factor to metered load factor
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alan.creighton
Comment on Text
How representative is one year.  Is there a need for sensitivity analysis Sensitivity analysis for different 1 year samples?

alan.creighton
Comment on Text
...and hence needs to be estimated.


Embedded wind forecast error

Mean error across the year of 8% (current error ~540 MW)

Largest error ~30% (~2 GW)

Errors a combination of unknown availability and unknown power curve
Error in MW will grow as capacity increases

If modelled as a BMU the mean error = 4%.
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Wind load factor error (%)
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alan.creighton
Comment on Text
Is there a sensitivity around 'not modeled as a BMU'?

alan.creighton
Sticky Note
Is this the same graph as the previous slide?


Impact of Original Proposal on embedded wind forecast errors

1. Find the capacity of wind affected by the original proposal for each year out to 2030.
2. Find the error in the wind forecast in MW for each settlement period if the units were to remain as non-BMU

3. Multiply the error for each settlement period by the system price and then sum to find the total annual cost of managing errors
in embedded wind forecasts for the additional capacity.

4. Repeat the analysis but this time based on the error in the wind forecast in MW if the units were BMUs .


alan.creighton
Comment on Text
I'm probably confused - but if all the units were BMUs then there wouldn't be any forecast errors - or just those < 10MW?

alan.creighton
Comment on Text
As before further clarity about the assumptions being made here are important.


Original Proposal Results

¢ Increased visibility of embedded wind generators leads to annual savings for ESO.

120 Embedded wind cost svaings (Original Proposal)
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alan.creighton
Comment on Text
Just to confirm, this relates to real time visibility, rather than planning timescale visibility?


Impact of WACM1 on embedded wind forecast errors

We have followed the methodology of the Original Proposal, but with two key differences:

1. Find the capacity of wind affected by WACM?1 for each year out to 2030.This relates to wind farms in Scotland
with a capacity of 10-100 MW.

2. Assume these wind farms will be modelled as non-BMU generators rather than BMUSs.


alan.creighton
Comment on Text
Clarify that this means windfarms in Scotland that would be caught by the proposed GC0117 L/M/S definitions.  As before sensitivity studies may be required around these assumptions.

alan.creighton
Comment on Text
Is there a sensitivity around 'not modeling as non-BMU generators rather than BMUs'?


WACM1 Results

e Reduced visibility of embedded wind generators leads to a significant increase in the cost of managing demand forecast errors.

600 Embedded wind cost (WACM1)
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Consumer Transformation  -@-Falling Short ~ -@-Leading The Way  -@-System Transformation


alan.creighton
Comment on Text
...of the real time output of...


Impact of other embedded generators

The aim of this section is to determine how the code modification would impact the demand forecast errors
associated with non-BMU generators which are not wind generators (this includes batteries, diesel
generators and solar PV).

However, unlike the wind generators, we do not have a similar BMU forecast to make the comparison
against. We have therefore followed an adjusted method.
1. Find the capacity of generation affected by the original proposal for each year out to 2030.

2. For each settlement period in 2022, estimate the residual error in the latest forecast of the National Demand. This is the error which
cannot be explained by weather errors or embedded wind errors.

3. Assume that 50% of the residual error is due to lack of visibility of non-BMU/non-wind generators.
4. For each of the capacity scenarios, scale the residual error by the capacity impacted by the Original Proposal.

Multiply the error for each settlement period by the system price and then sum to find the total annual savings.


alan.creighton
Comment on Text
Ditto previous comments about forecasting the capacity that would actually be affected by the new L/M/S definitions and the distribution of that capacity across GB.

alan.creighton
Comment on Text
See previous comments about whether this one year alone s representative.

alan.creighton
Comment on Text
Might it be possible to explain this further, please?  Does 'weather error' include PV?

alan.creighton
Comment on Text
Is there a sensitivity around 50% of the residual error being due to lack of visibility of non-BMU/non wind generators?


Original Proposal Results

¢ Increased visibility of embedded generators leads to annual savings for ESO.

Embedded generation cost savings (Original Proposal)
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WACM1 Results

e Impact of WACM1 on visibility of non-wind generators is negligible (low levels of affected planned capacity in Scotland)



Conclusions
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Results

WP1: Impact on price stack available in the BM.

« The Original Proposal could lead to a reduction in marginal BM price resulting in annual cost
savings of balancing the system of up to approximately £70n

WP2: Impact on constraint costs:

« The increased visibility of generators provided by the Original Proposal could lead to annual
savings in constraint costs of up to approximately £70m.

« The reduced visibility as a result of WACM1 could lead to an increase in constraint costs of up
to £80m per vear.

WP3: Impact on demand forecast errors:

» The increased visibility of generators provided by the Original Proposal could lead to reduction
in demand forecast errors and therefore cost savings of up to approximately £220m per yei::.

* The reduced visibility of wind units in Scotland as a result of WACM?1 could lead to a significant
increase in demand forecast errors and therefore additional annual costs of up to
approximately £530m per ye -.


alan.creighton
Sticky Note
...in one of the four scenarios with no benefit modeled in the other three scenarios considered.

alan.creighton
Sticky Note
...in one of the four scenarios with less benefit modeled in the other three scenarios considered.

alan.creighton
Sticky Note
......in one of the four scenarios with lower additional cost modeled in the other three scenarios considered.

alan.creighton
Sticky Note
...in one of the four scenarios with lower benefit modeled in the other three scenarios considered.

alan.creighton
Sticky Note
...in one of the four scenarios with lower additional costs modeled in the other three scenarios considered.

alan.creighton
Sticky Note
Presenting the results as a range would present a more balanced view.


Questions & Discussion
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